Bottom-hole flowing pressure and pump intake pressure (PIP) are important parameters to optimize the performance of oil wells. In recent years, downhole sensors are becoming widely used in electrical submersible pump systems to measure these pressures. However, it is still rare to use downhole sensors in sucker rod and progressive cavity pumped wells. In this study, two correlations were developed to calculate bottom-hole flowing pressure and PIP from readily available field data. The two correlations do not require measurements of buildup tests, but they rely on measuring the dynamic fluid level and estimating fluid gradient correction factor using either (1) the tubing gas flow rate or (2) the annular gas flow rate. Then, the PIP is calculated by the summation of either (1) the tubing pressure plus the tubing gaseous liquid column pressure or (2) the casing pressure, annular gas column pressure and the annular gaseous liquid column pressure. The correlations were developed using 419 field data points (389 points for training and 30 for testing) of wide range for each input parameter. Using the training data, the mean absolute percentage deviation (MAPD) between the calculated and measured PIPs is 25% and 20% for the first and second correlations, respectively. However, the testing data showed MAPD of 33% and 12% for the first and second correlations, respectively. The accuracy of these correlations is significantly higher than that of the previously available methods, and the correlations require simpler input. Such study is an original contribution to calculate the PIP with improved accuracy and without downhole pressures sensors.
Introduction
The most commonly used technique to calculate bottomhole pressure and PIP is McCoy et al. method (McCoy et al. 1988; Rowlan et al. 2011) . In this method, the calculation is dependent on determining acoustically the top of the gaseous liquid column and measuring a pressure buildup rate when the casing is closed. This method is iterative, and the gaseous liquid column pressure can be calculated using an equation that depends on the oil gradient, pump depth and the adjusted calculated gaseous liquid column depth. From the gaseous liquid pressure, the bottom-hole pressure or PIP can be calculated by the summation of casing pressure, gas column pressure and the gaseous liquid column pressure.
Another method was developed by Ghareeb et al. (2001) , and it requires the measurement of the annular gas flow rate. Annular flow rate requirement limits the applicability of this method as it is seldom available in most pumped wells. Ghareeb et al. (2001) method was developed by correlating the calculated effective oil fraction with superficial annular gas velocity. The gradient of the gaseous liquid column is then calculated.
Walker's technique is another method that can be used to calculate the bottom-hole flowing pressure and the PIP. This technique requires two fluid level readings at two different casing pressures (Nind 1969; Walker 1936) . Since measuring two fluid levels (at two different casing pressures) requires disturbance of production and elaborate setup, this method is rarely used in practice. Table 1 summarizes the data needed and the limitations of the above-mentioned techniques. The bottom-hole and PIP estimations were also discussed by other researchers. Most of the research focused on estimating the oil fraction in the annular liquid and the fluid gradient correction factor (Hasan and Kabir 1985; Podio et al. 1980; McCoy 1978) for the gaseous liquid column.
In recent years, an automated dynamic fluid level (DFL) measurement system is introduced (Burgstaller 2016 ). This system is capable of recording, storing and transmitting the DFL readings to an operations center with very high frequency.
This study is prepared to develop two correlations to estimate bottom-hole pressure and pump intake pressure with minimum input data and without the need to run buildup tests while taking the DFL measurement. Flow is assumed to be stabilized. If the stabilization condition is not achieved, then the calculated downhole or pump intake pressure will be underestimated (buildup rate should be recorded for at least 10 min or 10 psi to obtain the best results) Error is increased with the increase in the oil gravity With the increase in the gaseous liquid column, the error in the downhole pressure or pump intake pressure increases As the height of gaseous column increases, the uncertainty in PIP increases. The error percentage in the PIP decreases as the casing head pressure increases Ghareeb et al. (2001) 
Methodology of model development
The bottom-hole or pump intake pressure can be calculated by the summation of either (1) tubing pressure and the gaseous liquid column pressure inside the tubing or (2) the casing pressure, the annular gas column pressure and the annular gaseous liquid column pressure. Therefore, accurate calculations for the fluid gradient (gradient of the gaseous liquid column) are required to achieve precise bottom-hole flowing pressure or PIP calculations. Accordingly, the dead-liquid gradient needs to be adjusted by the so-called fluid gradient correction factor to reflect the true gaseous liquid column density inside the annulus or the tubing. In this study, the gradient of the gaseous liquid column inside the tubing or the annulus was adjusted using two new correlations through the following steps:
1. Data of several parameters were collected from several oil fields in Egypt. The dataset contained 419 data points for electrical submersible pump (ESP) wells. The data included real measurements for bottom-hole flowing pressure or the PIP. The pressure measurements were available from downhole permanent pressure sensors associated with the ESP completions. The collected data included wide range of several parameters: production data, fluid properties, dynamic fluid level measurements, water cut, wellhead pressure, casing pressure, pump depth, etc. The ranges of the collected data are presented in Table 2 . 2. The 419 data records were classified randomly into two groups:
• 389 data points were used to develop the two correlations (training data). • 30 data points were used to validate the two correlations (testing data).
3. The fluid gradient correction factor (Fgc) was back-calculated for each point of the data using the actual PIP measurements, measured depth of liquid level, density of the dead oil and density of gas. 4. Several graphs for the fluid gradient correction factor (Fgc) were prepared with different variables such as annular gas velocity, tubing gas velocity, height of the net liquid above the pump and their combinations (annular gas velocity multiplied by the height of the net liquid above the pump or tubing gas velocity multiplied by the height of the net liquid above the pump) to reveal the relationships between the Fgc and potential input data. 5. Several functional forms and graphs were plotted until the best two correlations (best curve fitting) were selected as shown in Figs. 1 and 2. Figure 1 presents the relationship between the fluid gradient correction factor and the superficial gas velocity of the produced gas (tubing gas velocity). Figure 2 shows the relationship between the fluid gradient correction factor and the annular gas velocity multiplied by the height of the net liquid above the pump. 6. Using the relations shown in Figs. 1 and 2, two forms of new correlations were developed to calculate the gradient correction factor of the gaseous liquid column. The two correlations are presented as Eqs. 1 and 2.
(1) Fgc = −4e Vsgt 2 + 248211 × Vsgt + 0.5403
(2) Fgc = 0.0256 × (Vsga × NLAP) 0.275 where Fgc is the gradient correction factor of the gaseous liquid column; Vsgt is the superficial gas velocity of the produced gas, ft/s; Vsga is the superficial gas velocity of the annular gas, ft/s; and NLAP is the height of the net liquid above the pump, ft
The first correlation is function of the tubing gas velocity, which can be calculated from the produced gas flow rate and tubing size. The second correlation, however, requires the annular gas velocity and the height of the net liquid above the pump. The annular gas velocity requirement means that the annular gas flow rate is measured.
7. The first correlation was developed with 389 training data points. However, the second correlation was established by only 90 training data points because the second correlation required the availability of measured annular gas flow rate. Less data points were available with the measured annular gas flow rate. The 90 data points were common in the development of both the first and second correlations. 8. The developed correlations were used to calculate the fluid gradient correction factor for the training data (389 data points for the first correlations and 90 data points for the second correlations). Then, the gaseous liquid column gradient and the PIP were calculated for all points. 9. Other exiting methods (McCoy et al. 1988; Ghareeb et al. 2001 ) were used to compute PIP whenever possible for the training database (389 points). Depending on the availability of the required input data for McCoy et al. (1988) and Ghareeb et al. (2001) , only 97 points and 100 points were used to calculate the PIP using the two methods, respectively. These calculations were carried out for comparison with the results of the newly proposed correlations.
10. The two proposed correlations were validated using another 30 data points of actual field measurements (testing data).
Structure of the developed model
First correlation using tubing gas production rate
The first correlation depends on the tubing gas production rate, which is usually available in most pumped wells. This correlation needs only six input parameters: gas production rate, gas formation volume factor, wellhead tubing pressure, fluid level, downhole pump depth and surface oil (gas-free oil) specific gravity. The following five steps (Eqs. 3 to 7) detail the calculation of the PIP using this correlation:
1. Calculate the estimated gas velocity from the measured tubing gas production rate
where Vsgt is the superficial gas velocity of the produced gas, ft/s; q g is the gas production rate, MMscf/D; Β g is the gas formation volume factor, cf/scf; and At is the tubing cross-section area, in 2 2. Calculate the gradient correction factor of the gaseous liquid column
Calculate the gas-free oil gradient
where Go is the oil gradient, psi/ft, and Yo is the specific gravity of oil 4. Calculate the gaseous liquid column pressure where Pglc is the pressure exerted by gaseous liquid column, psi; Dp is the pump depth, ft; and D L is the depth to top of liquid, ft 5. Calculate the pump intake pressure where PIP is the pump intake pressure, psi, and Pt is the tubing pressure, psi This correlation was developed using 389 data points (training data) with MAPD of 25%. More points within the database were available to use this correlation because this correlation does not require casing pressure buildup rate or annular gas flow rate measurements.
Second correlation using annular gas rate
The second correlation is based on the annular gas flow rate. This correlation requires eight input parameters as follows: annular gas flow rate, gas formation volume factor, casing pressure, fluid level, downhole pump depth, surface oil (gasfree oil) specific gravity, casing inside diameter and tubing outside diameter. Using the annular gas flow rate, the following steps (Eqs. 8 to 12) are followed to calculate the PIP:
1. Calculate the annular gas velocity from the annular gas rate
where Vsga is the superficial gas velocity of the annular gas, ft/s; q ga is the annular gas production rate, MMscf/D; Β g is the gas formation volume factor, cf/scf; and A is the annular cross-section area, in 2 2. Calculate the gradient correction factor of the gaseous liquid column where NLAP is the height of the net liquid above the pump, ft 3. Calculate the gas-free oil gradient where Go is the oil gradient, psi/ft, and Yo is the specific gravity of oil 4. Calculate the gaseous liquid column pressure where Pglc is the pressure exerted by gaseous liquid column, psi; Dp is the pump depth, ft; and D L is the depth to top of liquid, ft 5. Calculate the pump intake pressure where PIP is the pump intake pressure, psi; Pgc is the pressure exerted by gas column, psi; and Pc is the casing pressure, psi This correlation was developed using only 90 training points (less data points were available with measured annular gas flow rate as it is not customary to measure the annular
12) PIP = Pgc + Pglc + Pc gas flow rate). This correlation showed MAPD of 20% using the training data. Figure 3 presents the MAPD between the measured and calculated PIPs with different calculation methods for the training data (389 points). It should be highlighted that the first correlation was developed from 389 points with MAPD of 25%. However, the second correlation was developed from only 90 points (less data points were available with measured annular gas rate). This correlation shows MAPD of 20%, which is less than the MAPD for the points (97 data points) that were applied with McCoy et al. method (its MAPD is 23%). However, the MAPD for the training points (100 data points) of Ghareeb et al. (2001) method was 44%. Figure 3 shows also that if the PIP was calculated without taking the effect of the gas correction factor into consideration, the MAPD will reach 50%. The new correlations include new forms to calculate the fluid gradient correction factor, which enhance their accuracy. Figure 4 presents the readings of the pressure sensors versus the corresponding calculated PIP of the different calculation methods for the training data. The deviation of the calculated PIP values from the measured pressures is shown with a 45° straight line.
Results for the training data

Model validation: results for testing data
Thirty testing data points were collected randomly from several oil fields to validate the model. These data are different from the data used for training to develop the new correlations. Table 3 shows the range of the testing data which were used to validate the two correlations. The first correlation was verified using the 30 testing data points. However, only ten data points out of the 30 had measured annular gas flow rate, and therefore, were suitable for validating the second correlation. Also, only these ten data records included the required input data to calculate the PIP using McCoy et al. (1988) and Ghareeb et al. (2001) methods. Table 4 , the MAPD between the calculated and measured PIPs is 33%. Figure 5 is the graphical presentation of the calculated PIP using the first correlation against the actual PIP readings (blue squares). The deviation of the calculated PIP values from the measured pressures is shown with a 45-degree straight line. Table 5 summarizes the results of the absolute deviation between the calculated and measured PIPs for the suitable ten testing data points using the second correlation method along with McCoy et al. (1988) and Ghareeb et al. (2001) methods.
Validation of the first correlation
Validation of the second correlation
As demonstrated in Table 5 , the MAPD between the results of the second correlation against the corresponding sensors readings of the PIP is only 12%. Figure 5 presents also the relation between the measured PIP and the calculated values using the second correlation (red triangles). The deviation of the calculated PIP from the measured pressure is shown with a 45° straight line.
As shown in Table 5 , the results of the second proposed correlation are better than those of the other models. For McCoy et al. (1988) method, the corresponding MAPD between the calculated and measured PIPs is 28% using the same testing data. In addition, the results of Ghareeb et al. (2001) method have higher MAPD than those of McCoy et al. (1988) method for these specific ten testing points. The MAPD between the calculated and the measured PIPs using Ghareeb et al. (2001) method is 61%.
Discussion
The results of the second correlation are more accurate than those of the first correlation and the other methods (McCoy et al. 1988; Ghareeb et al. 2001 methods) . The first correlation needs only six input parameters (production rate, gas formation volume factor, wellhead tubing pressure, fluid level, downhole pump depth and surface oil (gas-free oil) specific gravity). These data are easily available and accessible in oil fields. However, the second proposed correlation is based on eight parameters including the annular gas production rate (annular gas flow rate, gas formation volume factor, casing pressure, fluid level, downhole pump depth, surface oil (gas-free oil) specific gravity, casing inside diameter and tubing outside diameter). The annular gas production rate may not be available in all cases. Similarly, Ghareeb et al. (2001) method requires the annular gas flow rate, but produces less accurate results. McCoy et al. (1988) method requires the measurement of casing buildup rate, which may not be available during the measurements of the DFL. Neither annular gas production rate nor casing pressure buildup rate data are needed for the PIP calculations using the first proposed correlation. Therefore, the first proposed correlation has valuable role in the absence of annular gas flow rate measurements. In addition, the two proposed correlations can be applied in case no casing pressure buildup rate is available.
Both the first and second correlations can be used when the gas production rate (from the tubing) or annular gaseous flow rate is available, respectively. Having good estimate for the PIP will help in the following points:
